The ACG Oilfield caps an elongate anticline with three culminations -Azeri, Chirag and Gunashli -and is located in the offshore Azerbaijan sector of the south Caspian Basin. This study focuses on Azeri in the south-east of the structure, which has over 8 billion barrels of oil in place. The major reservoir interval, the Pliocene Pereriv Suite, is characterized by laterally continuous layers of variable net-to-gross (NTG) deposited in a fluvial-deltaic environment. Azeri is being developed by down-dip water injection, with up-dip gas injection on the more steeply dipping central north flank. At the planned offtake rates both recovery mechanisms are expected to be stable. However, these predictions are based on reservoir models which do not explicitly capture the full range of geologic heterogeneity present in the Pereriv Suite reservoirs.
Introduction
The giant Azeri-Chirag-Gunashli (ACG) Field occurs in a large, elongate anticlinal structure located in the offshore Azerbaijan sector of the south Caspian Basin (Fig. 1A) . The structure has steeply dipping limbs and contains three culminations (Azeri, Chirag and Gunashli). This paper focuses on the Azeri accumulation in the south-east of the ACG structure, which contains an estimated 8 billion barrels of oil in place. The ACG field development project is one of the largest current energy projects (US$20 billion aggregate) in the world. The Azerbaijan International Operating Company, operated by BP, has been awarded a 30 year production license for ACG which expires in 2025, and plans to bring total production in ACG to 1 million bbls oil/day by 2008.
The oil fields of the South Caspian Basin (Fig. 1A ) have reservoirs in the thick (up to 7000 m) latest Miocene to early Pliocene strata of the Productive Series ( Fig. 2A) . These strata record multiple, high-frequency cycles of deltaic shoreline advance and retreat in response to fluctuating lake levels in the isolated South Caspian Basin [1] [2] [3] [4] (Fig. 1B) . The resulting Productive Series stratigraphy is strongly layered ( Fig. 2A) , and sandstone-bearing intervals are bounded by laterally extensive mudstones [1] [2] [3] [4] . Productive Series sandstones in the northern part of the South Caspian Basin (including the ACG Field) are quartz-rich, well rounded and well sorted, indicating deposition by the paleo-Volga River and Delta 5 (Fig. 1B) . The principal reservoir interval in the ACG Field is the high net-to-gross (NTG) Pereriv Suite, which is subdivided into five layers (Pereriv A-E; Fig. 2B ). Pereriv B and D are high NTG (>85%) sandstone sheets, whereas Pereriv A, C and E have relatively low and laterally variable NTG (0-55%). Detailed reservoir architecture is below seismic resolution, but core and wireline-log data suggest that the reservoir consists principally of channel-fill sandstones in a background of lacustrine mudstones. The abundance and vertical stacking of channel-fill sandstones defines reservoir layers A-E. The dimensions, orientations, geometry and connectivity of channel-fill sandstones, particularly in low NTG layers (A, C, E) are poorly constrained. Likewise, the extent and continuity of background mudstones are uncertain. These parameters are important in defining permeability architecture within the
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Impact of Heterogeneity on Flow in Fluvial-Deltaic Reservoirs: Implications for the Giant ACG Field, South Caspian Basin Kevin Choi, SPE, Matthew Jackson, SPE, and Gary Hampson, Imperial College London, and Alistair Jones, SPE, and Tony Reynolds, BP Pereriv Suite reservoir, and may strongly influence displacement efficiency. Fluvial-deltaic reservoirs are complex (jigsaw-type reservoirs in the scheme of Weber and Van Guens 6 ) and many are characterized by difficulties in maintaining reservoir pressure, poor displacement efficiency and early water breakthrough [6] [7] [8] . The relative impact of different heterogeneities on the performance of fluvial-deltaic reservoirs is poorly understood; moreover, previous studies have focused on waterflood recovery 6, 7 . The Azeri structure is being developed using two production schemes: down-dip water injection on the south flank (tectonic dip of 20-25° depending upon location) and also in the north-west and south-east, and up-dip gas injection on the more steeply dipping (30-40°) central north flank (Fig. 3) . Optimum development of the ACG Field will therefore require a sound understanding of the impact of geologic heterogeneity on recovery by both water and gas injection. The aim of this paper is to quantify and understand the impact of large-to intermediate-scale geologic heterogeneity on recovery in the Azeri section of the Pereriv Suite reservoir, for the different production schemes. The specific objectives are (1) to identify the key heterogeneities which impact on recovery by gas and water injection, and determine whether these are the same in each displacement, and (2) to understand why these heterogeneities are important. The paper reports the first part of a wider study which is currently being extended to capture heterogeneities at smaller length-scales, and which complements BP's in-house reservoir modeling and simulation studies.
We use a range of 3-D geologic models, in conjunction with experimental design techniques, to quantify the impact of heterogeneity on flow. The models are based on quantitative outcrop data, in conjunction with subsurface data, and sample representative inter-well volumes of the reservoir rather than the full field. This allows us to capture heterogeneity at a lengthscale and resolution which is not available in the subsurface. We also simulate flow directly on the models without recourse to upscaling. Fig. 3 . Map of the ACG Field highlighting the Azeri, Chirag and Gunashli culminations. Simplified cross-sections and plan-view maps are shown for reservoir-production symmetry elements on the north and south flanks of the Azeri structure. The models presented in this paper are constructed for these reservoir-production symmetry elements.
Geologic heterogeneity in the Pereriv Suite
Geologic heterogeneity occurs across a range of length-scales, from the field scale (1-10 km) down to the pore scale (0.1-1mm) 9 . The spatial arrangement of these heterogeneities is hierarchical, and depends on the depositional environment of the reservoir. A hierarchy of heterogeneity, based on lengthscale, has been identified for the Pereriv Suite reservoir. This hierarchy allows us to adopt a top down reservoir modeling approach, in which we start with the simplest possible model and then progressively add increasing levels of geologic heterogeneity 10 . Such a hierarchy for fluvial-deltaic reservoirs of the Productive Series is outlined below (and summarized in Fig. 4 ), based on our outcrop and subsurface observations of the unit combined with published hierarchies for other depositional environments 9, [11] [12] . We have adapted the system presented by Kjønsvik et al. 12 for shallow-marine reservoirs. At the largest length-scale (Level 4 of Kjønsvik et al. 12 ), each pair of reservoir-wide, low and high NTG layers generally corresponds to an episode of delta advance (parasequence, Fig. 4A ). At the next lengthscale (Level 3 of Kjønsvik et al. 12 ), individual sandbodies of variable geometry and connectivity (e.g. distributary channels, mouth bars, crevasse-splay sheets) occur within each reservoir-wide layer (Fig. 4B ). Each sandbody contains a variety of lithofacies (Level 2 of Kjønsvik et al. 12 , Fig. 4C ). Various sedimentary structures (e.g. cross-bedding, planar lamination) occur within each lithofacies at the smallest length-scale (Level 1 of Kjønsvik et al. 12 ). Pore-scale variability occurs within sedimentary structures, at a still smaller length-scale.
The models described in this paper address heterogeneity at Levels 3 and 4, namely that of channel-fill sandbodies within vertically stacked layers of varying NTG. Subsurface data in the ACG reservoir are insufficient to describe heterogeneity at this length-scale, and additional data from outcrop analogues of the Productive Series must be used.
Outcrop analogues of the Productive Series
The Productive Series is exposed in several locations on the Apsheron Peninsula of Azerbaijan: the lower interval of the Productive Series in Kirmaky Valley, and the upper interval in Balakhany Quarry and Yasamal Valley 2, 3 (Figs. 1A, 2A ). Care must be used in selecting the most appropriate analogues for the Pereriv Suite reservoir in the ACG Field. The onshore strata are significantly coarser grained, and display higher NTG than their offshore counterparts 2 . These differences suggest that strata cropping out onshore represent proximal depositional environments, relative to their time-equivalent counterparts in the ACG Field. Thus, outcrop analogues for different layers in the Pereriv Suite reservoir have been selected on the basis of their lithofacies composition, grainsize and NTG character, rather than their age.
A high NTG sandstone sheet, consisting of densely stacked channel-fill sandstones, is exposed at Balakhany Quarry (Figs. 1A, 2A), and is considered analogous to the Pereriv B and D layers in the ACG Field. By contrast, low NTG strata, consisting of channel-fill sandstones in a 'background' of delta-plain mudstones and thin (<1 m) sheet sandstones, are exposed at Yasamal Valley (Figs. 1A, 2A) , and are considered broadly analogous to the Pereriv C layer in the ACG Field. The outcrops provide quantitative width and thickness data for channel-fill sandstones (Level 3 of the hierarchy), and also templates for their detailed internal architecture (Level 2). They have been used in combination with subsurface core and well-log data to develop schematic models of heterogeneity in the Pereriv Suite reservoir (e.g. Fig. 4 ).
Dietz stability analysis
Using a top down reservoir modeling approach, we begin by investigating the stability of the gas-oil and water-oil displacement schemes that will be applied in Azeri, assuming segregated flow and using a simple Dietz analysis 13, 14 . We determine the stability of a water displacement in the south flank and a gas displacement in the north flank of the field. For simplicity, we begin by treating the Pereriv Suite reservoir as a single, homogenous unit; the reservoir is then subdivided into the five layers identified in the subsurface (Pereriv A-E; Level 4 in the hierarchy), assuming each layer is isolated by extensive mudstones, and is internally homogeneous. Rock and fluid properties are given in Table 1 . Table 1 . Critical reservoir and fluid properties used in the Dietz analysis of displacement stability and subsequent screening study.. The tectonic dip varies locally between 30-40º in the north flank, and between 20-25º in the south flank. The mean permeability estimates for the reservoir have recently been revised upwards; we discuss the implications of this later.
We find that for the water displacement, the end-point mobility is 0.63, yielding a mobility-stable displacement regardless of production rate. For the gas displacement, the end-point mobility ratio is 21, but the displacement is gravitystable for the planned offtake rate (c. 9% STOIIP per year) and the range of observed reservoir dip in the central north flank, regardless of whether the Pereriv Suite reservoir is subdivided into isolated layers or is treated as a single unit. Consequently, high sweep efficiency may be expected. However, this simple analysis does not account for the presence of geologic heterogeneity within each reservoir layer, which may impact on the movement of water and gas. We investigate this next.
Simulation-based sensitivity analysis
We investigate the impact of selected heterogeneities at Levels 3 and 4 on gas and water displacements, using a simulationbased sensitivity analysis. Geologic heterogeneity. Six key heterogeneities were selected for investigation in the analysis: two at Level 4 and four at Level 3 of the heterogeneity hierarchy (Figs. 4A, B). They are summarized in Table 2 .
Interlayer connectivity (Level 4). It is not clear whether the mudstone sheets separating the individual reservoir layers (Pereriv A-E) hydraulically isolate each layer. If cross-flow is possible, then injected gas or water may leak from one layer to another. We are particularly concerned that gas may segregate upwards into the overlying layers, leading to lower sweep efficiency in the high NTG Pereriv B and D layers and earlier gas breakthrough.
Lateral variation of NTG within Pereriv C (Level 4).
The reservoir average NTG of Pereriv C is approximately 45% (Table 1 ), but it varies locally from 0% to c. 50%. In regions with high NTG, oil recovery may be increased because of the higher volume in place, or there may be enhanced cross-flow between the overlying Pereriv B and underlying Pereriv D layers. It is also possible that Pereriv C may act as a thief zone for gas, reducing sweep efficiency in the high NTG Pereriv B and D layers.
Channel Orientation (Level 3).
Paleocurrents from channel-fill sandstones in the Pereriv Suite reservoir in Azeri and Chirag are generally directed towards the south, ranging from parallel to tectonic dip, to a 49° offset to the east. In the nearby Bahar Field, channel orientation within the Pereriv Suite was described as a major uncertainty 1 . Channel orientation may impact connectivity, particularly in low NTG reservoirs. Moreover, we hypothesize that in the Azeri structure, injected gas may follow the channel orientation, flowing obliquely down the flank rather than directly towards the nearest producer. In this case, injected gas would experience a shallower dip of c. 26º (assuming an average reservoir dip of c. 37º in the central north flank), which, in conjunction with other heterogeneities, may push the displacement out of the range of gravity stability, leading to lower sweep efficiency and earlier gas breakthrough. Channel Sinuosity (Level 3). Channel-fill sandstones observed in outcrop generally lack lateral accretion surfaces, and paleocurrent data in core exhibit little variation, suggesting that the channels have low sinuosity (1-1.25; calculated from paleocurrent data in core using the methodology of Le Roux 15 ). Distributary channels in the recent Volga Delta, which is a modern reservoir analogue in some aspects, also have low sinuosity 4 . Channel sinuosity can have a significant impact on the connectivity of channel-fill sandstones in low net-to-gross channelized environments 16 and also on the geometry of 'background' mudstones preserved between channel-fill sandstones. Channel Stacking (Level 3) . Outcrop data provide examples of both individual, single-storey channel-fill sandstones and stacked, multistorey channel-fill sandstones. The latter are interpreted to represent channel belts. Channel stacking in low net-to-gross environments can impact on connectivity 16 and will also change the effective dimensions and aspect ratio of the sandbodies.
Channel Dimensions (Level 3).
The dimensions of singlestorey and multistorey channel-fill sandstones observed in outcrop vary between c. 100-600m in width and c. 6-15m in thickness. Dimensions for single-storey channel-fill sandbodies have been chosen in which their thickness is constrained by core and wireline-log data (6m thick) and their widths reflect observations from outcrop analogues (100-200m wide). The dimensions chosen for multistorey channel-belt sandbodies also reflect the range of values interpreted from subsurface and outcrop analogue data (10-15m thick, 600m wide). Channel dimensions can have a significant impact on connectivity in low NTG reservoirs containing channelized sandbodies 16 . Table 2 . Factors (heterogeneities) investigated in the sensitivity analysis. The impact of these six factors is investigated by observing the percentage change in average response when each factor is varied from setting 1 to setting 2.
Model construction. The areal dimensions of the models for each flank are based on the location and spacing of injection and production wells (Fig. 3 ). Models were constructed using a simple object-based algorithm, in which channel-fill sandstones are placed in a mudstone background according to the values given in Tables 1 and 2 . Channel-fill sandstones are assumed to be longer than the model length, and thus extend beyond the model volume. In accordance with our sedimentologic interpretations of the outcrop and core, no mouth bar sandbodies were modeled. The internal heterogeneity of channel-fill sandstones was also neglected; petrophysical properties were assumed to be uniform, which is a major simplification given that the permeability within channel-fill sandstones can vary from 100-1000mD. This level 2 heterogeneity is currently being investigated. Multistorey channel-belt sandstones are modeled as single, large channelfill sandstones. Although this means that there is overlap between the sensitivity parameters describing channel stacking and channel dimensions, we specifically wish to describe them separately at this stage, for compatibility with the level 2 study currently under way.
Screening study design. We applied experimental design [16] [17] [18] [19] and analysis of variance 17 to identify the key heterogeneities which have a major impact on recovery. A two-level fractional-factorial design was employed, in which each factor (heterogeneity) can take one of two settings, denoted (1) and (2) . These were chosen to reflect the range of uncertainty in the Pereriv Suite reservoir ( Table 2 ). The experimental design allows us to efficiently quantify the effect of varying each factor from setting 1 to setting 2. The screening study is divided into three parts:
First screening study. We begin by considering a model that includes Pereriv B, C and D layers; Pereriv A and E are neglected. We study the impact of the six heterogeneities on production in each flank (Table 2 ). A 2 6-2 resolution IV experimental design is used to quantify the impact of each heterogeneity on production. This experimental design requires 16 simulation experiments for each flank.
Second screening study. We refine the sensitivity analysis to focus only on regions where there is net sand in Pereriv C (i.e. the lateral variation of NTG within Pereriv C is fixed at 45%). A 2 5-1 resolution V experimental design is used, requiring 16 simulation experiments for each flank to quantify the impact on recovery of the remaining five factors (Table 2) .
Third screening study. In order to understand the impact of heterogeneity on recovery within individual reservoir layers, the sensitivity analysis is refined to focus separately on the Pereriv B and C layers. In this study the interlayer connectivity is assumed to be zero, and the lateral variation of NTG within Pereriv C is either irrelevant to simulations of Pereriv B or is fixed at 45% (Table 2) . We assume that the results from the high NTG Pereriv B also apply to the high NTG Pereriv D, so that the Pereriv B results are representative of the entire Pereriv Suite in regions of the reservoir where Pereriv C has zero NTG. A 2 4-1 resolution IV experimental design is used, requiring 8 simulation experiments for each flank to quantify the impact on recovery of the remaining four heterogeneities in Pereriv B and C ( Table 2) .
The total thickness of the models for the first and second screening studies is 104m. The grid cells in each model measure 12m (north flank ) and 11m (south flank) x 20m x 1m, yielding a total of 1,248,000 cells in the north flank model (gas injection), and 351,000 cells in the south flank model (water injection). The cell dimensions were chosen to represent the range of channel-fill sandbody width and thickness, and also to ensure that any gravity segregation of the displacing and displaced phase were reasonable captured. The same grid resolution is retained for the third screening study.
Three stochastic realizations of each reservoir simulation model were generated, to allow investigation of the significance of each heterogeneity in the context of stochastic uncertainty. Estimates of stochastic uncertainty would be improved by generating more realizations.
Simulation experiments. Production was simulated assuming incompressible flow and no dissolved gas in the oil. This is a major simplification of the PVT properties of the Azeri hydrocarbons, but allows us to use a streamline simulator which includes gravity effects via an approach based on operator splitting 20 . The advantage is that production can be simulated directly on much larger and/or refined models than would be possible using conventional simulation. We are currently assessing the additional impact of more realistic modeling of the fluid properties. The impact of the underlying aquifer and overlying gas cap was also neglected, and it was assumed that production in each flank could be simulated separately. In reality, there is communication between flanks through the gas cap.
The production rate of each south flank model was set to be c. 9% of the model STOIIP per year. This is the target offtake rate for the Azeri field, although it varies locally depending upon how well STOIIP is characterized. In the north flank, an offtake rate of 9% of STOIIP per year corresponds approximately to 80% of Dietz's critical rate for the reservoir average dip of 37º. This production rate was used in each north flank model.
Results

First screening study: Analysis of Pereriv B, C and D.
Simulated oil recovery in both north (gas injection) and south (water injection) flanks is generally high (>70% after 20 years; Fig. 5 ) and the range of recovery is small (70-80% after 20 years). This is because recovery is dominated by the high NTG Pereriv B and D layers. The variation in oil recovery in both north and south flanks is principally controlled by the variation in NTG in Pereriv C (Fig. 6A) . Modeling Pereriv C with a NTG of 45% increases oil recovery by c. 14% in both north and south flanks.
We use recovery at breakthrough (Fig. 6B) as a proxy for breakthrough time, as all models are produced at the same constant rate. Lower recovery at breakthrough indicates earlier breakthrough. Modeling Pereriv C with a NTG of 45% causes gas breakthrough to be delayed by c. 9% and water breakthrough by c. 10% (Fig. 6B) , which suggests that Pereriv C does not act as a thief zone. However, although oil recovery is increased if sand is present in Pereriv C because the STOIIP is increased, the recovery factor is decreased by c. 4% in both flanks (Fig. 7) . As explained in the next section, this is caused by the poor connectivity of channel-fill sandstones in the low NTG Pereriv C layer.
The impact of varying the other factors is close to or below the level of stochastic uncertainty in models of both flanks, which suggests that modeling decisions are unimportant for the chosen range of parameters. However, in models which have zero NTG in Pereriv C, the average effect of varying these factors is significantly reduced. In order to properly understand their impact on recovery, we must refine the sensitivity analysis to focus only on regions in which there is net sand in Pereriv C. Therefore we move on to the second screening study. 
Second screening study: Analysis of Pereriv B, C and D (models with net sand in Pereriv C).
In this revised screening study, we find that the interlayer connectivity has a significant impact on oil recovery in both flanks (Fig. 8) . In models where the reservoir layers are isolated by extensive interlayer shales, recovery is lower by c. 8% in the north flank (gas injection) and c. 4.5% in the south flank (water injection) while gas production is higher by c. 6% in the north flank and water production by c. 3% in the south flank (Fig. 8) . This suggests that gas or water cross-flow between layers does not reduce sweep efficiency. Rather, channel-fill sandstones within Pereriv C can be poorly connected to the injection and/or production wells, in which case production from Pereriv C and associated pressure support occurs via Pereriv B and/or D, so that recovery is improved when there is connectivity between the layers.
Channel stacking also has a significant impact; modeling channel-fill sandstones as individual storeys rather than as multistorey belts reduces oil recovery by around 3% in both flanks, and increases the volume of gas and water produced by c. 2% (Fig. 8 ). In the south flank, channel sinuosity is also observed to have a significant impact on production (Fig. 8B ).
The effect is present but less pronounced in the north flank (Fig. 8A) . We explain how channel stacking controls sweep efficiency, and how sinuosity controls connectivity of channelfill sandstones in Pereriv C, in the next section.
The impact of varying all of the other factors is at or below the level of stochastic uncertainty in both flanks, which suggests that modeling decisions are unimportant for the chosen range of parameters. However, in order to have a good understanding of the impact of heterogeneity on recovery within individual reservoir layers, we now refine the sensitivity analysis to focus on Pereriv B and then Pereriv C alone, in the third screening study. Table 2) . Pereriv B, C and D layers are included in the models; Pereriv C is modeled with a fixed NTG of 45%.
Third screening study: Analysis of Pereriv B and C layers in isolation.
Pereriv B (High NTG).
We begin by investigating Pereriv B. We find that the significant heterogeneities are different for the two flanks of the reservoir (Fig. 9) . On the north flank all the impact of heterogeneities on oil recovery and gas production lie within the range of stochastic uncertainty (Fig.  9A ). This suggests that modeling decisions are unimportant for gas injection in high NTG layers, over the chosen range of parameters (Table 2) . However, on the south flank, channel orientation has a small but significant impact on oil recovery; when the channels are oriented parallel to tectonic dip, there is a c. 1.5% increase in recovery (Fig. 9B) . The next most important factor is channel sinuosity (Fig. 9B ), but its impact is similar to that of stochastic uncertainty.
The effect of channel orientation in the south flank relates to the reduced mobility of water relative to gas. When the channels run parallel to tectonic dip, they provide a direct route between injector and producers; when they run obliquely to tectonic dip, flow must move laterally from one channel-fill sandstone to another, which subtly decreases the sweep efficiency (Fig. 10) . The effect is not so significant in the north flank, because the mobility of the displacing gas is higher (Fig. 9) . 
Pereriv C (Low NTG).
We now investigate Pereriv C. It is immediately obvious that in this lower NTG reservoir layer (c. 45%; Table 1 ) the impact of varying the modeling parameters is generally much more significant than in the high NTG Pereriv B layer (compare Figs. 11 and 9 ). For example, modeling channel-fill sandstones as individual storeys rather than as multistorey belts in the north flank leads to a decrease in recovery of c. 29% in Pereriv C (Fig. 11A) , whereas all the heterogeneities have an impact below the level of stochastic noise in Pereriv B (Fig. 9A) . Likewise, modeling the channelfill sandstones as having low sinuosity in the south flank causes a decrease in recovery of c. 55% in Pereriv C (Fig.  11B) , compared to c. 0.8% in Pereriv B (Fig. 9B) . Moreover, these results underestimate the true range of reservoir architectures and associated production behaviors, because they are obtained from realizations in which there is connectivity of the channel-fill sandstones between injector and producers. In some models, well location was adjusted by a few grid blocks in order to ensure connectivity.
The significant heterogeneities are the same in both flanks; channel sinuosity has the greatest impact on recovery, followed by channel stacking (Fig. 11) . Channel sinuosity is the major factor that controls oil recovery, because it significantly changes the connectivity of the channel-fill sandstones between injector and producers; models with low sinuosity channels have lower connectivity (Fig. 12) . This is in agreement with previous studies of low NTG channelized reservoirs. Larue and Hovadik (2006) 21 demonstrated that if channels have relatively low sinuosity and are parallel, they do not areally intersect with each other in a given layer. Therefore relatively straight channels cause poor channel connectivity. Channel stacking has the second largest impact on oil recovery, because it controls the tortuosity of flow paths and, hence, sweep efficiency. This is confirmed by comparison of tracer simulations in north and south flank models (Fig. 12) ; modeling individual channel-fill storeys also decreases recovery by tracer simulation. Tracer simulations omit gravity and relative permeability effects, and are a measure of the range of streamline lengths, which reflect their tortuosity. Decreased recovery in tracer simulations reflects decreased sweep efficiency caused by an increase in the range of streamline lengths. Figure 13 demonstrates the difference in tracer saturation distribution between models with multistorey channel belts and those with individual channel storeys. In models containing individual channel storeys (e.g. Fig. 13B ), flow paths are more tortuous and more oil remains unswept. Fig. 11 . Average percentage change in oil recovered and total gas (north flank) and water (south flank) produced after 20 years in (A, left) north flank models, and (B, right) south flank models of Pereriv C only, observed when each factor in the sensitivity analysis is varied from setting 1 to setting 2 ( Table 2) . Fig. 12 . Average percentage change in connected fraction of channel-fill sandstones between injection and production wells, and oil recovered after 20 years of tracer injection, in (A, left) north flank models, and (B, right) south flank models of Pereriv C only, observed when each factor in the sensitivity analysis is varied from setting 1 to setting 2 ( Table 2) . 
Discussion
Simulated recovery from our models of the Pereriv Suite reservoir, which incorporate the high NTG Pereriv B and D layers, and the intervening low NTG Pereriv C layer, is generally high and the range of recovery is small (Fig. 5) . This is because recovery is dominated by the high NTG Pereriv B and D layers. Within the chosen range of parameters, recovery from these layers is typically greater than 70%, and different modeling decisions affect recovery by less than 2%. This minor variation in recovery from the high NTG layers is caused by variations in areal and vertical sweep efficiency that depends on channel stacking and channel orientation. When channel-fill sandstones are modeled as individual storeys oriented obliquely to reservoir dip, then flow paths are more tortuous than when they are modeled as multistorey belts running directly down reservoir dip, so recovery is marginally lower.
Variations in recovery from our Pereriv Suite models are therefore dominated by variations in the modeling approach adopted for the low NTG Pereriv C layer. This layer contributes a relatively small proportion of the total recoverable oil, so variations in overall recovery are small. If there is net sand present in Pereriv C then oil recovery is increased, although the recovery factor is lower. If Pereriv C is in communication with the overlying and underlying Pereriv B and D layers, then there is also an increase in oil recovery, and an associated benefit in reduced production of displacing water or gas. This result is significant, because it suggests that there is no production penalty associated with communication between the high NTG layers (Pereriv B and D) and the adjacent low NTG layers (Pereriv A, C and E).
Recovery in the low NTG Pereriv C layer is dominated by connectivity of the channel-fill sandbodies, and the tortuosity of fluid flow paths through the connected sandbodies. This is consistent with the findings of previous studies of low NTG channelized reservoirs 16, 21-23. However, our work has given additional insight into the geologic parameters which have an impact when low NTG reservoir layers are in communication with adjacent high NTG layers. Many realizations exhibit zero connectivity of channel-fill sandbodies in Pereriv C between injectors and producers. In this case, recovery is significantly enhanced if sandbodies within Pereriv C are connected to sandbodies within the adjacent Pereriv B and D layers, which provide pressure support and a route for oil production.
The impact on production of heterogeneities in Pereriv C is masked by co-mingling with the larger and more productive high NTG Pereriv B and D layers. However, by simulating recovery from Pereriv C alone, we have gained understanding of the key heterogeneities which control flow in low NTG layers which is relevant to developments where only a low NTG layer is produced. This will be the case in Azeri for the overlying Balakhany reservoirs.
In most cases, we have found that the same heterogeneities have a significant impact on both gas-oil and water-oil displacements. This is because both displacements are either mobility or gravity-stable for the proposed production rates, so recovery is dominated by sandbody connectivity and flowpath tortuosity. This hypothesis is supported by the results of single-phase tracer simulations, which closely reproduce the ranking order of key heterogeneities in both flanks (Fig. 14) . If gravity forces were unable to stabilize the gas displacement, then we would expect very different results for the north and south flanks. For example, if production rates were close to, or above, the critical rate for gravity stability then heterogeneity may have a different impact on recovery. Recently, the acquisition of additional data has resulted in the revision of mean permeability estimates for the Pereriv Suite reservoir in Azeri upwards from those given in Table 1 . The effect is to increase the predicted critical rate, suggesting that the gas displacement is more gravity stable than originally thought. Given that the gas displacement is gravity stable in all of our simulations, the ranking order of heterogeneity is not affected.
Our results are similar in some respects to those obtained by Larue and Friedman, 23 who investigated the impact of reservoir architecture (channel geometry, dimensions and spatial distribution) and permeability heterogeneity (variations in permeability within channel-fill sandstones) on waterflooding in channelized reservoirs. They found that reservoir architecture had only a small impact on waterflood recovery, as connectivity was generally high even in their low (35%) NTG models. Simulated recovery was high, especially in high (60-80%) NTG models. The most important control on recovery was end-point mobility ratio. Our results for the high NTG Pereriv B (and D) reservoirs are similar to theirs: high recovery is predicted with heterogeneity having little impact. However, we find that heterogeneity (particularly channel sinuosity and stacking) in the low NTG Pereriv C layer has a much more significant impact on recovery than in their low NTG models. Channel sinuosity is important because it controls connectivity, while channel stacking is important because it controls flow path tortuosity and hence sweep efficiency within the connected sandbodies.
Moreover, heterogeneity affects gas displacements in a similar way to water displacements despite their very different end-point mobility ratio, so long as they are gravity stable. The stability of a displacement is the most important factor controlling its interaction with heterogeneity. Absolute percentage change in oil recovered after 20 years is plotted as distance from the center of the chart for each heterogeneity, to enable comparison between our previous simulations of tracer flow, gas injection, and water injection. The area around the center of each chart represents the average percentage change observed from different stochastic realizations. The tracer simulations capture the ranking order above stochastic uncertainty for both gas-oil and water-oil displacements, suggesting that gravity segregation, and relative permeability effects, are small.
It must be remembered that our models are relatively simple and the results should be interpreted accordingly. Perhaps most significantly, the effect of heterogeneity within the channel-fill sandstones (Levels 1 and 2 in our hierarchy; Fig. 4C ) was not modeled. Upward-fining trends within channel-fill sandstones may affect sweep efficiency, while clay-clast lags along channel bases may reduce the effective vertical permeability. Permeability heterogeneity within channel-fill sandstones may significantly control recovery during waterflooding 22, 23 . Jones et al. 16 also found that intrachannel-fill heterogeneity significantly controls flow in fluvial channel-fill sandstones. We are currently addressing heterogeneity at this level.
We may also have under-estimated the impact of heterogeneity on recovery by simplifying the PVT properties of the oil. Simulating incompressible flow means that the impact of voidage replacement rate on reservoir pressure cannot be properly investigated, and simulating 'dead-oil' PVT properties means that the impact of pressure variations on gas evolved from solution are not captured. As the Azeri oil is saturated with gas at all depths, significant gas volumes may be produced from regions of the reservoir which are poorly pressure supported. In this case, the low connectivity of channel-fill sandbodies within Pereriv C may have a much greater production penalty. The impact of modeling more realistic fluid properties is currently being assessed.
Finally, grid refinement tests have been conducted to ensure that the chosen model grid and simulation technique properly capture flow in each displacement, particularly where gas tongues have evolved. For the mobility-stable water displacement on the south flank, these tests suggest that the grid resolution is sufficient to capture flow, while the displacement is ideally captured by a streamline simulator 20, 24, and 25 . In the gravity-stable gas displacement, the tests suggest that our simulation models have under-estimated oil production by a few percent. However, when the grid is refined, the same ranking order of key heterogeneities is recovered (e.g. Fig. 15 ), suggesting that our results are robust. 
Conclusions
We have found that the principal controls on oil recovery by both down-dip water injection and up-dip gas injection in the steeply dipping, fluvial-deltaic Pereriv Suite reservoir in the Azeri Field, offshore Azerbaijan, are (i) local variations in NTG (0-55%) within generally low NTG (c. 45%) reservoir layers such as Pereriv A, C and E, and (ii) the degree of communication between the low NTG layers and adjacent high NTG layers (>85%) such as Pereriv B and D. Where sand is present in low NTG layers, overall recovery increases owing to the locally increased STOIIP, but recovery factor decreases owing to the poor sweep efficiency within the low NTG layers. If the low NTG layers are in communication with adjacent high NTG layers, then there is also an increase in oil recovery because channel-fill sandstones within the low NTG layers are often poorly connected to the injection and/or production wells, in which case production and associated pressure support occurs via adjacent high NTG layers. Consequently, recovery is improved when there is connectivity between the layers. There is also an associated benefit in reduced production of water or gas.
Geologic heterogeneity within high NTG reservoir layers has only a small impact on recovery, and is primarily controlled by subtle variations in areal and vertical sweep efficiency, which result from variations in channel-fill sandbody stacking and orientation. Heterogeneity within low NTG layers has a much more significant impact on recovery, and is primarily controlled by (i) the connectivity of channelfill sandbodies between injection and production wells, which largely depends on channel sinuosity, and (ii) sweep efficiency within the connected sandbodies, which depends principally on channel stacking. These findings are also relevant to the overlying low NTG Balakhany reservoir in the Azeri Field.
In general, the same significant heterogeneities impact on both water and gas displacements, because both displacements are stable at the planned production rates; the water displacement is mobility stable, while the gas displacement is gravity stable. The stability of the displacement is the most important factor controlling its interaction with heterogeneity. If production rates were higher, then the gas displacement would no longer be stable, and we would expect to see significantly different behavior between gas and water. It is important to understand the impact of heterogeneity in the context of the displacement mechanism.
Nomenclature ACG Azeri-Chirag-Gunashli GI Gas injection GOC Gas oil contact NTG Net-to-Gross OWC Oil water contact WI Water injection
